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HIGHLIGHTS

e Electricity, hydrogen and methane system will be more integrated in the future.

o The developed integrated model considers their interactions and interdependencies.

e As proof-of-concept, the model is applied to the Dutch Infrastructure Outlook 2050.

o Interweaving electricity, hydrogen and methane system will provide much needed flexibility.

ARTICLE INFO ABSTRACT

Keywords: The future energy system is widely expected to show increasing levels of integration across differing energy
Energy system integration carriers. Electricity, hydrogen, methane and heat systems may become increasingly interdependent due to
Sector-coupling coupling through conversion and hybrid energy technologies. Market parties, network operators, policy makers
Methane . . L . . e

Hvdrogen and regulators require tools to capture implications of possible techno-economic and institutional developments
Fl};xibiglity in one system for the operation of others. In this article, we provide an integrated electricity, hydrogen and

Energy transition methane systems modelling framework focusing on interdependencies between them. The proposed integrated

Energy markets electricity and (renewable) gas system model is a market equilibrium model with hourly price and volume in-
teractions, considering ramp rates of conventional units, variability of intermittent renewables, conversion,
transport as well as storage of electricity, hydrogen and methane. The integrated model is formulated as a linear
program under the assumption of perfect competition. As proof-of-concept, the model has been applied to a test
case consisting of 34 electricity nodes, 19 hydrogen nodes and 22 methane nodes, reflecting the regional
governance scenario in the Dutch Infrastructure Outlook 2050 study. The case study also includes different
sensitivity analyses with regard to variable renewable capacity, energy demand and biomass prices to illustrate
model response to perturbations of its main drivers. This article demonstrates that the interweaving of electricity,
hydrogen and methane systems can provide the required flexibility in the future energy system.
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Sets and indexes

Sets and indexes
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set of electrical storage types

set of methane storage types

set of power plants

set of natural gas fired power units

set of hydrogen fired power units

set of green gas fired power units

set of all variable renewables units

set of all remaining power generation units
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electricity generation by unit h at node i in period p [MWh]
electricity generation by hydrogen fired units hfp at node i in period p
[MWh]

electricity generation by natural gas fired units nfp at node i in period
p [MWh]

electricity generation by green gas fired units gfp at node i in period p
[MWh]

electricity discharge at node i of storage type r in period p [MWh]
electricity charging at node i of storage type r in period p [MWh]
Energy storage level at node i of storage type r in period p [MWh]
electricity flow from node i to node i’ in period p [MWh]

electricity demand not served at node i in period p [MWh]
electricity demand at node i in period p [MWh]

electricity demand for electrolysis at node i in period p [MWh]

dual variable reflecting electricity prices at node i in period p
[€/MWh]

marginal costs of unit h at node i in period p [€/MWh]

marginal cost of electrical storage type r at node i in period p [€]
value of lost load for electricity system [€/MWh]

cost of CO, emissions [€/tonne]

emission factor of unit h [tonne/MWh]

import/export transmission capacity between node i and i’ [MW]
availability factor of unit h in node i

capacity factor of variable renewables unit h in node i in period p
operation and maintenance cost of unit h in node i [€/MWh]
electrical efficiency of unit h in node i [p.u.]

capacity of unit h in node i [MW]

maximum ramp rate of unit h in node i [MW/hour]

electrical pumping/turbine capacity at node i of storage type r [MWh/
hour]

electrical storage capacity at node i of storage type r [MWh]

initial energy level of storage type r at node i at hour 0 [MWh]
efficiency of electrical storage facility depending on the storage type r
[p-u]

Variables and parameters hydrogen system
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hydrogen generation (biomass gasification) at node i in period p
[MWh]

hydrogen generation (natural gas reforming) at node i in period p
[MWh]

hydrogen generation (electrolysis) at node i in period p [MWh]
liquid hydrogen transport from i to i’ in period p [MWh]

pipeline hydrogen flow from i to i’ in period p [MWh]

regasified hydrogen at node i in period p [MWh]

liquified hydrogen at node i in period p [MWh]

hydrogen demand not served at node i in period p [MWh]
Hydrogen extracted from storage type f at node i in period p [MWh]
hydrogen injected into storage type f at node i in period p [MWh]
residential and industrial hydrogen demand in node i in period p
[MWh]

hydrogen demand for power generation at node i in period p [MWh]
dual variable reflecting hydrogen prices at node i in period p
[€/MWh]

value of lost load for hydrogen system [€/MWh]

efficiency of electrolysis unit in node i [p.u.]

hydrogen production cost (biomass gasification) at node i in period p
[€/MWh]

hydrogen production cost (NG reforming) at node i in period p
[€/MWh]

hydrogen production cost (electrolysis) at node i in period p [€/MWh]

operational cost of storage type f in node i [€/MWh]
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cost of transporting liquid hydrogen between node i and i [€/MWh]
cost of transporting hydrogen via pipeline between node i and i
[€/MWh]

hydrogen liquefaction cost at node i [€/MWh]

hydrogen gasification cost at node i [€/MWh]

hydrogen production capacity (natural gas reforming) at node i [MW]
hydrogen production capacity (biomass gasification) at node i [MW]
hydrogen production capacity (electrolysis) at node i [MW]

annual working hydrogen capacity of storage type f at node i [MWh]
extraction rate of storage type f at node i [MWh/hour]

injection rate of storage type f at node i [kem/hour]

capacity of hydrogen pipeline ii '[MW]

hydrogen liquefaction capacity at node i [MW]

hydrogen regasification capacity at node i [MW]

emission factor of natural gas to hydrogen conversion [tonne/MWh]
efficiency of natural gas to hydrogen conversion in node i

O&M cost of gas to hydrogen conversion at node i [E/MWh]

O&M cost of electrolysis at node i [€/MWh]

Variables and parameters methane system
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methane (natural gas) production at unit z in node i in period p
[MWHh]

methane (green gas) production at node i in period p [MWh]
methane production from hydrogen at node i in period p [MWh]
methane transport via pipeline from i to i’ in period p [MWh]
liquified methane shipping from i to i’ in period p [MWh]
regasified methane at node i in period p [MWh]

liquified methane at node i in period p [MWh]

methane extracted from storage type n at node i in period p [MWh]
methane injected into storage type n at node i in period p [MWh]
methane demand not served at node i in period p [MWh]
methane demand for electricity generation at node i in period p
[MWh]

residential and industrial methane demand at node i in period p
[MWh]

natural gas demand for hydrogen production at node i in period p
[MWh]

dual variable reflecting methane prices at node i in period p [€/MWh]
value of lost load for methane system [€/MWh]

natural gas production cost at unit z in node i [€/MWh]

green gas (methane) production cost at node i [€/MWh]
methanation cost at node i [€/MWh]

operational cost of storage in node i [€/MWh]

cost of transporting liquid methane between node i and i [€/MWh]
cost of methane pipeline transport between node i and i’ [€/MWh]
methane liquefaction cost at node i [€/MWh]

methane gasification cost at node i [€/MWh]

natural gas production capacity of unit z at node i [MW]

green gas (methane) production capacity at node i [MW]
methanation capacity at node i [MW]

efficiency of methanation at node i

annual working gas capacity of methane storage type n at node i
[MWHh]

methane extraction rate of storage type n at node i [MW/hour]
methane injection rate of storage type n at node i [MW/hour]
capacity of methane pipeline between node i and i’ [MW]

methane liquefaction capacity at node i [MW]

methane regasification capacity at node i [MW]

1. Introduction

To meet renewable energy and emission targets, several countries
around the world are adopting ambitious decarbonization strategies
such as increased utilization of renewables for power generation [1],
sector coupling [2] as well as electrification of different sectors [1-3].
The energy transition towards more sustainable and low carbon energy
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systems implies 1) a larger share of electricity from renewable energy
resources such as wind and solar with increased variability and uncer-
tainty [1], 2) a larger share of electricity in total energy use due to the
increasing penetration of flexible demand technologies such as electric
vehicles (EVs) [3-5], heat pumps (HPs) [6,7], power-to-gas (P2G) [8,9],
3) a larger share of renewable gas such as hydrogen and green gases
[8,9], and 4) a higher need for system integration and flexibility to cover
substantially higher variations in renewable electricity generation and
demand [10]. To accelerate the energy transition, it is then paramount
to increase the level of integration between different energy carriers
such as electricity, heat, methane and hydrogen not only in terms of
markets but also in terms of infrastructures [2].

Variable renewable resources, like wind and solar, offer a vast po-
tential for energy system decarbonisation. Yet, large-scale rollout of
wind and solar faces a major challenge in market and system integration.
Electrification of energy demand sectors and enhancing demand flexi-
bility may offer one solution pathway for these flexibility challenges
[10,11]. Hybrid energy systems that allow to serve non-electrifiable
energy and feedstock demand with conversion of renewable electricity
production is expected to offer another cost-effective solution pathway
[12]. Here, renewable electricity may be used to produce renewable
gases like hydrogen, and synthetic gases. This paradigm shift beyond
electrification is, for example, well captured by the vision of the Dutch
electricity transmission system operator TenneT and gas transmission
system operator Gasunie, as clearly reflected in their Infrastructure
Outlook (I02050) report published in 2019, where they present an in-
tegrated power and (renewable) gas system outlook as a pathway to
system decarbonization for both electrons and molecules [13].

Interest in modelling different forms of integrated energy systems
has been growing over time in order to address the challenges of the
energy transition towards a carbon-neutral energy system. Analysing
the drivers, requirements and opportunities of integrated multi-energy
systems, Mancarella et al. (2016) highlight the need for closer atten-
tion to all energy vectors and infrastructures that supply the end-use
demand [14]. Riepin et al. (2018) develop an integrated investment
model for electricity and gas markets and find out that the uncertainty in
gas demand leads to an overall decrease of investments in gas-fired
power plants [15]. Ozdemir et al. (2015) conclude that the availabil-
ity of flexible gas supply such as peak gas storage in the gas market
determine the competitiveness and future role of gas-fired power plants
in the power market [16]. Ordoudis, Pinson and Morales (2019) find out
that the coupled operation of electricity and natural gas systems facili-
tates renewable energy integration [17]. Abeysekera, Wu and Nick
(2016) highlight the need to develop robust methods and tools for
modelling analysis of integrated energy sytems [18]. Pambour et al.
(2018) reveal that to capture bi-directional interdependencies between
gas and electricity networks requires the use of combined simulation
models [19]. Juanwei et al. (2019) put forward the need to extend
reliability assessment to integrated energy systems coupling with other
kinds of energies [20]. Tsupari, Karki and Vakkilainen (2016) reveal
that the integration of power-to-gas with biomass-fired combined heat
and power plant offers an economically feasible concept for future en-
ergy system [21]. Farahani et al. (2020) study hydrogen-based inte-
grated energy and mobility system and find out that using hydrogen
storage is much cheaper than using large battery storage system [22]. As
further elaborated in Section 2, several of these studies either consider
interactions between gas and electricity markets without considering
the hydrogen system or they include hydrogen in their analysis but lack
interactions with other energy systems and infrastructures. None of
these studies, to our knowledge, captures the interactions and dynamics
of integrated electricity, methane, and hydrogen systems & markets,
including interdependencies through conversion and hybrid energy
technologies set-ups as well as the energy transport infrastructure in
these markets. In this article, we fill this gap by proposing a modelling
framework to adequately analyse the challenges and opportunities for
the electricity and (renewable) gas systems and markets, including the
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interlinkages between these markets. This article presents an optimiza-
tion model for the operation of integrated electricity, hydrogen and
methane value chains. The proposed integrated electricity and (renew-
able) gas market model provides the least-cost simultaneous hourly
dispatch of power, hydrogen and methane, while taking into account the
interlinkages between them. The integrated model presented in this
article is valuable for the decision support as well as efficient operation
and co-ordination among electricity, hydrogen and methane value
chains. The model can be used to assess future interactions between
electricity and gas markets and may be the basis for future energy system
analysis on investments in conversion, transport, storage and system
decarbonization.

The rest of the article is organized as follows. Section 2 presents the
research framework for the integrated electricity and (renewable) gas
model (I-ELGAS), followed by model formulation in Section 3. Section 4
describes the future energy system in the Netherlands and introduces the
case study based on the regional scenario of the 102050 study. In Section
5, results from the 102050 baseline scenario and some sensitivity ana-
lyses are presented and explained briefly, followed by a conclusion and
discussion of the main findings and limitations of the current paper in
Section 6 and Section 7.

2. Research framework

Traditionally, electricity, methane and hydrogen systems are plan-
ned and operated independently. However, increasing interactions and
interdependencies between electricity, methane and hydrogen systems
(see Fig. 1) may offer a cost-effective pathway to absorb large volumes of
variable renewable energy in the energy system. Water electrolysis
plants interlink electricity and hydrogen systems as electricity is used to
produce hydrogen. Several technologies for electrolysis such as alkaline
[23], polymer electrolyte membrane (PEM) and solid-oxide electrolysers
[24-26] are available [8,27-29]. Natural gas reformers, such as steam
methane reforming (SMR) [30] and auto-thermal reforming (ATR)
[31,32], interlink methane and hydrogen systems as natural gas is used
to produce grey or blue hydrogen (i.e. with carbon capture and storage
(CCS)). At the same time, synthetic methane can be produced via
hydrogen by catalytic [33] or biological [34] methanation processes
[29,35]. Hydrogen-fired power plants interlink hydrogen and electricity
systems [36,37]. Methane-fired combined heat and power generation
(CHP) [21,38], open cycle gas turbines (OCGT) [39], and combined
cycle gas turbines (CCGT) [40] link electricity and methane systems.
Electricity storage in the form of batteries [41-43], including electric
vehicles, as well as underground hydrogen [44-46] and methane storage
[47] help to decouple the instantaneous mismatch between supply and
demand [43,48]. With increasing renewables in the power system and

Power System

CCGT/

Electrolysis OCGT/
CHP
SMR
Hydrogen Metha

System

nation

Fig. 1. Interdependencies between electricity, hydrogen and methane systems.
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associated system needs for flexibility, the interactions between these
markets and systems are commonly expected to increase in the future.

There is a growing body of literature on the analysis of different
aspects of sector coupling or cross-sector integration. Reichmann et al.
(2019) define sector coupling as linking both markets and in-
frastructures of the electricity and gas sectors [2]. Based on a spatially
and temporally resolved open source energy model for cross-sector and
cross-border integration of renewables, Brown et al. (2018) show that
tighter sector coupling through power-to-gas and thermal energy stor-
age reduces the need of grid re-enforcements [49]. Robinious et al.
(2017) perform an extensive review of available research as well as
modelling on linking the power and transport sectors [3,50]. Maruf
(2019) provides a review on different energy system modelling per-
spectives for sector coupling in the North Sea region [51].

A large volume of literature also includes hydrogen production and
deployment in their analysis. Buttler and Spliethoff (2018) review the
potential of water electrolysis in coupling electricity, heating, mobility
and chemical industry sector [8]. Eriksson and Gray (2017) review ap-
proaches for integrating hydrogen energy technologies into hybrid en-
ergy systems [52]. Yan et al. (2018) conduct cost-benefit analysis of
avoiding renewables curtailment by converting and transporting it as
hydrogen [53]. Using JRC-EU-TIMES model, Blanco et al. (2018) study
the role of hydrogen-based power-to-liquid in achieving 80-95%
decarbonization by 2050 [48]. Uyar and Bezikci (2017) analyse the role
of hydrogen in 100% renewable energy systems [54]. Lecker et al.
(2017) perform a review of biological hydrogen methanation ap-
proaches [34]. Kaiwen et al. (2018) as well as Mondal and Ramesh
Chandran (2014) conduct a comprehensive study on economic and
environmental aspects of hydrogen production using steam methane
reforming [30,55]. Glenk and Reichelstein (2019) suggest that renew-
able hydrogen is already cost-competitive in niche applications [56].
Michalski et al. (2017) reveal that optimization of electrolysis-based
hydrogen production and hydrogen storage in salt-caverns will have a
positive impact on the power system due to reduced curtailments as well
as residual peaks [45]. Welder et al. (2018) developa methodology to
determine cost-optimal design and operation of future energy systems
with power to hydrogen scenarios in Germany [57]. Qadrdan et al.
(2015) investigate the role of power-to-gas (hydrogen) on gas and
electricity network considering different allowable levels of hydrogen
injection [58]. However, these articles lack comprehensive interactions
between other markets and infrastructures. This article fills this gap by
taking into account the interactions and interdependencies between
electricity, hydrogen and methane systems and markets.

Several studies consider integral modelling of interactions between
gas and electricity markets. Qadrdan et al. (2010) analyse the impact of
large-scale wind generation on the gas network of Great Britain using a
combined gas and electricity network model [59]. Abrell et al. (2013)
claim that interdependence of electricity and natural gas is becoming a
major energy policy as well as regulatory issue and analyse the impact of
natural gas network on electricity market until 2050 in Europe [60].
Blanco et al. (2018) conclude that system drivers such as CO, storage
potential and variable renewable penetration level exert more influence
over power to methane potential than the technology drivers [61].
Guilera et al. (2018) analyse the economic viability of synthetic natural
gas production from power and CO,, and claim that it has potential for
continuous and seasonal production in the future [62]. Ghaib and Ben-
Fares (2018) provide a comprehensive review on power to methane
conversion including intermediate steps such as electrolysis and
methanation [63]. Mi and Khodayar (2019) show that the coordinated
operation of the electricity and natural gas networks considering the line
pack flexibility in the natural gas pipelines lead to lower operation costs
[64]. Co-simulating an interconnected power and natural gas system,
Craig et al. (2020) conclude that co-ordination between power and gas
systems reduces power system cost and increases gas deliverability [65].
Juanwei et al. (2019) perform reliability assessment of integrated elec-
tricity and gas system considering different dispatch strategies [20].
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Ozdemir et al. (2015) propose an integrated electricity and natural gas
market modelling framework focusing on short term interdependencies
that relate to price and volume interactions between electricity and
natural gas markets [16]. Chaudry et al. (2014) develop a combined gas
and electricity network expansion planning model considering gas-fired
power plants as linkages between the two networks [66]. Using a
combined gas and electricity network expansion model, Qadrdan et al.
(2017) analyse the impact of demand-side response on the electricity
and gas supply system in Great Britain [67]. Ameli et al. (2020)
demonstrate that the deployment of flexibility technologies supports the
interaction between gas and electricity system [68]. However, none of
these approaches considers the hydrogen system. Moreover, the in-
terdependencies between different markets and infrastructures are
rarely or only marginally considered with limited geographical and
temporal scope. Hence, our model improves on these approaches by
combining hydrogen, electricity, and natural gas systems and markets.

In addition, several studies such as the Infrastructure Outlook 2050
and Grid for the Future, present an integrated power and (renewable) gas
system outlook as an important requirement to system decarbonization
for both electrons and molecules [13,69]. Yet, analysis of future in-
teractions between energy supply and demand requires a market-based
system allocation model that accounts for interactions between these
markets and simultaneously represents the infrastructures in these
markets. Such an integrated model, as presented in Section 3, may
provide the basis for future energy system analysis on investments in
conversion, transport, storage and system decarbonization.

3. Mathematical formulation

Modelling the interaction between electricity, gas and hydrogen
systems results in a large-scale model. For real-life systems, model size
increases exponentially with the geographical and temporal scope.
Using LP reduces computational times significantly and allows us to
address large-scale problems. For electricity and gas systems, lineari-
zation of flows and processes and using LP models are common practice
in the literature [70-75]. Modelling the problem as an LP may sacrifice
some model capabilities (discussed in Section 6), but this choice allows
the model to be able to solve the ambitious spatial (different nodes for
different networks) and temporal granularity (8760 h) that were defined
within their main aims. This high temporal granularity also allows us to
precisely model the (seasonal) storage within a full year, this accuracy is
usually sacrificed in models with lower temporal granularity for the sake
of computational tractability [76].

The Ozdemir et al. (2015) framework of the integrated power and
natural gas market model provides the basis for this integrated power
and (renewable) gas market model [16]. In the proposed integrated
model (I-ELGAS), the hydrogen system is added and the methane system
is expanded to include natural gas as well as bio-based and synthetic gas.
The electricity system is also expanded to include hydrogen and
methane-fired power generation. In addition, the temporal granularity
has been improved from one week per season to hourly simulation of a
year. The geographical scope has also been improved from one node per
country to multiple nodes to resemble with the existing and foreseen
transport infrastructures of the electricity, hydrogen and methane sys-
tems. Fig. 2 illustrates the schematic of the proposed integrated model of
electricity, hydrogen and methane systems. Here we present a linear
program (LP) model which objective is to minimize the total operational
costs of the integrated electricity, hydrogen and gas systems. The I-
ELGAS model covers nine North Sea countries providing hourly simu-
lations for a full year. In this study however, the [-ELGAS model is
applied only to one of the four scenarios developed for the Netherlands
and Germany in the 102050 study [13]. In addition the application
presented in this paper is limited to the Dutch subsystem in this scenario
as only the Dutch scenario data were made available by the authors of
102050. The main outputs are hourly (nodal) energy prices for elec-
tricity, hydrogen and methane (i.e., commodity prices assuming perfect
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Fig. 2. Integrated electricity, hydrogen and gas market model (I-ELGAS) schematic.

competition), energy balances as well as optimal dispatch of each sub-
system. The I-ELGAS model is implemented in AIMMS [77] and the LP
problem solved using CPLEX 12.9 [78]. The energy flows are
geographically visualized using the mapeditor based on open-source
energy system description language (ESDL) [79].

The integrated model is formulated as an equivalent single optimi-
zation problem assuming perfectly competitive markets. The objective
function is to minimize the total operational costs of the system satis-
fying generation, transmission and storage constraints:

min [costd“ + cost™ + cost® ] (€D)
where,
cost™* = Z Zcfhp.qfhp + Zcrlrp chi,, + VOLL® .ens;, @

icl,peP | heH reR

bgH2 bgHa
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system to avoid infeasibility in case that the generation cannot meet the
demand.

The following subsections detail the energy balance for each system
and the rest of the constraints are detailed in the appendix.

3.1. Power system

The electricity system representation includes generation plants
(aggregated per technology type), cross-border transmission capacities,
energy storage, including batteries, and pumped hydro. Electricity de-
mand profiles are input to the model whereas electricity demand for
electrolysis is generated endogenously. The electricity demand for
electrolysis (dEHz) is linked with hydrogen production via electrolysis
2). Eq. (5) provides the

energy balance conditions for the power system and its dual variable
provides the marginal cost of the power system (prices, ).
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For variable renewable generation units, the electricity production
cost (cj,,) depends only on operation and maintenance costs. The pro-
duction cost in (1) for hydrogen-fired units and green gas fired units
(c§,) depends also only on operation and maintenance costs, as their
associated hydrogen and methane costs are endogenous. The production

costs of the conventional units depend on fuel prices (FP;,), emission

factors (©y) as well as the efficiency (%) of the units. A very high energy
price (10000 €/MWh) is assumed for value of lost load (VOLL) in each

—ch
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The electricity generation of conventional units is constrained by
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techno-economic parameters such as capacity (Q;;), availability (AF,),
efficiency (n5,) as well as ramp rates (RRj,), whereas generation from
variable renewables depends on their capacity factor (CFj,). The elec-
tricity generation from hydrogen-fired power plants is linked with
hydrogen demand for power generation through efficiency of hydrogen-
fired turbines. The electricity generation from methane-fired power
plants (), Gigp)p) 1 linked with methane demand for power genera-
tion through () efficiency of methane-fired turbines Ty Mgy The
electricity storage operation is constrained by storage capacity (SCfm),

efficiency (EFF") as well as charging and discharging rates. The elec-
tricity flows are constrained by respective line capacities (T%,).

3.2. Hydrogen system

The hydrogen system representation includes grey and blue (gas
reforming) and green hydrogen (electrolysis and biomass gasification)
production, hydrogen storage and transport modules, as well as con-
version of hydrogen into power. The hydrogen demand profiles for the
residential, industry and transport sectors are input to the model
whereas the hydrogen demand for power generation is endogenously

generated. The hydrogen demand for power generation (dgze) is linked
with electricity generation from hydrogen fired power plants (qfy;),)
through efficiency of hydrogen-fired turbines (rfpgpy)- Eq. (6) provides
the energy balance conditions for the hydrogen system and its dual
variable provides the hydrogen prices (pricegz).

eH. H, bgH. Hy . .H, Hy H
@+ a Ay Y (e —injiE)+ Y (’li-i,,—”,»fp)
feF ieJL(i")

+ Z (ﬂowf; —ﬂ()wgzp> +ens{;2 :DZZ +dng +dglg (pricegz)Vi cl.peP#
i €JG(i)
(6)
Hydrogen production is constrained by the capacity of the units. The
hydrogen production via electrolysis (qu”Q) is linked with electricity
demand for electrolysis (d‘.;fb) through the efficiency of electrolysers
(#52). The hydrogen production via gas-reforming (q‘.f; 2) is linked with
methane demand for hydrogen production (d?:2) through the efficiency
of gas-reformers (7*">). Hydrogen flows (ﬂowflf;) through the pipeline are
limited to pipeline capacities (TG?) while shipping volumes (tlg-;) are
constrained by available liquefaction (TLG!") and gasification (TLG::")
capacities.

3.3. Methane system

The methane system representation includes natural gas production,
green gas production, liquid and pipeline transport capacities as well as
storage capacities. The gas demand profiles for the residential, industry
and transport sectors are input to the model, whereas methane demand
for power generation as well as hydrogen production is endogenously
generated. The methane demand for power generation (d‘ig; ) is linked to
electricity generation methane-fired power plants(qf(nfp)p,gf(gfp)p)

through efficiency of methane-fired turbines T gy M) )- The methane
demand for hydrogen production (dprz) is linked to hydrogen produc-

tion from gas-reforming (q‘ingz) via efficiency of gas-reformers (n‘igHz). Eq.
(7) provides the energy balance conditions for the methane system and
its dual variable the methane prices (price‘g,).

Zqijﬁ) + qug + q;’zg Z (tlfip - ﬂff'p) + Z (ﬂawfx’p —ﬂ()W‘i»P)
)

ez eI i eIG(i
+Z(efnp —inj},) = D, +dfy + d,i,Hz (pricefp)Vi elpeP 7
neN
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Natural gas and green gas production is constrained by the capacity
of the units. Methane generation through methanation process (qug) is
linked with hydrogen demand for methane production (dgzg) via effi-

ciency of the methanation process (77”¢). Methane flows (ﬂowfi,p)
through the pipeline are limited to pipeline capacities (TG5) while
shipping volumes (tl‘fi.p) are constrained by available liquefaction

(TLNG*) and gasification (TLNGf”) capacities.
4. Case study: NL infrastructure outlook 2050

The Netherlands is participating in the global effort to develop a
more sustainable, low-carbon energy system. In addition to the Paris
climate agreement, it is fully committed to the European agreements on
carbon reductions for 2030 and 2050. The 2019 Dutch national climate
agreement between many organizations and companies, sets the vision
for the energy system in 2050 and has specific targets and ambitions for
2030 for the built -environment, mobility, industry, agriculture and land
use as well as the electricity sector [80]. Specifically, it aims to reduce
greenhouse gas emissions in the Netherlands by 49% in 2030 compared
to 1990 levels with specific commitments. The Dutch climate act aligns
with the Paris climate agreement as well as the integrated national en-
ergy and climate plan. There is a broad consensus that hydrogen and
carbon-free electricity system and transitioning away from natural gas
will play an important role in the transition to carbon-neutrality. The
Dutch climate agreement aims to scale up the production of renewable
electricity to 84 TWh in 2030, of which 49 TWh will be generated from
offshore wind and 35 TWh, from onshore wind and solar PV. Growth up
to 60 GW of offshore wind capacity for 2050 is foreseen. It also recog-
nizes the increased interactions between electricity and gas systems and
identifies different flexibility options from interconnections, demand
response, storage and controllable production. In 2019, the Dutch en-
ergy network operators Gasunie and Tennet jointly presented their first
infrastructure outlook 2050 showing the requirements and limitations of
a future energy system based on solar and wind energy [13]. As
mentioned in the Dutch climate agreement, a follow-up Integrated
Infrastructure Outlook 2030-2050 study is being conducted by the
Dutch energy system operators [81].

The Infrastructure Outlook 2050 (I02050) is a joint study by the
electricity and gas network operators on the development of integrated
infrastructure in the Netherlands and Germany in 2050 [13]. The
starting point of 102050 is the Paris agreement to achieve 95% CO4
emission reduction in 2050 compared to 1990 levels [82]. The analysis
is based on four scenarios, namely regional, national, international and
general, reflecting different energy transition governance approaches
based on different socio-economic and political factors. For the
Netherlands, the scenarios for energy supply and demand are based on
the study ‘Grid for the Future’ by CE Delft [69] designed to span ex-
tremities in future demand for energy transport infrastructure. The
scenarios were developed using a variety of sector models and pre-
dominantly calibrated on consistency of the energy balance. The data
associated with all these scenarios are available open-source at the
website of the Energy Transition Model (ETM) [83].

For the proof-of-principle, the I-ELGAS model presented in Section 3
is tested using data from the regional scenario of the Infrastructure
Outlook 2050 (herein after referred as 102050). The regional scenario
holds relatively high levels of domestic energy generation, conversion
and storage and as such is well-suited for the developed integrated
model. In other words, the regional scenario also represents the highest
share of renewable energy supply, i.e. variable renewable capacities,
hydrogen and green gas fired power generation capacities, as well as
power to hydrogen capacities among the four scenarios. The spatial
information for regionalization of the electricity, hydrogen and methane
systems is provided by the Dutch transmission system operators TenneT
(electricity) and Gasunie (gas). Finally, the amounts of electricity
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Fig. 3. Dutch transmission network topologies of electricity (red), hydrogen (blue) and methane (green) systems in 2050 [13,79].

import, hydrogen import and methane export were fixed at 0.16 TWh,
32.15 TWh and 19.41 TWh, respectively, to best match the 102050 as-
sumptions. Similar to 102050 study, the carbon price is assumed to be
160 €/ton.

4.1. Network topologies

Fig. 3 illustrates the transmission network topologies for the
Netherlands in 102050 consisting of 34 electricity nodes, 22 methane
nodes and 19 hydrogen nodes. This is an aggregated representation of
the real situation with many more sub-stations. In addition, there are 5
electricity, 10 hydrogen, and 3 methane cross-border exchange nodes. In
the regional scenario of 102050, we did not model these nodes explicitly,
but instead we considered electricity import of 0.16 TWh with import
price of 400 €/MWh, hydrogen import of 32.15 TWh with import price
of 4 €/MWh, methane export of 19.41 TWh and a biomass import price
of 76 €/MWh to best match the 102050 assumptions [13,69,83]. In
addition, export of excess variable renewable generation is not
permitted. As €/kg is common in the hydrogen sector, a conversion
factor of approximately 39 kWh/kg (higher heating value) and 33 kWh/
kg (lower heating value) can be used. Following 102050, we also did not
consider power lines smaller than 220 kV and pipelines with the pres-
sure lower than 40 bar for electricity and methane grids, respectively.
Regarding the interconnection between the electricity, methane and
hydrogen nodes, capacities equivalent to that of conversion units are

used as these were not provided in the I02050 dataset. For example, the
electricity interconnector capacities between electricity and hydrogen
nodes (0.77-8.43 GW) is determined by the electrolyser capacity
whereas hydrogen and methane pipeline capacities between electricity
and methane (0.29-6.86 GW) or electricity and hydrogen nodes
(0.44-1.32 GW) are determined by the capacities of methane or
hydrogen-fired power plants, respectively.

4.2. Generation infrastructures

Based on 102050 regional scenario data, the 2050 power generation
mix in the Netherlands consists of offshore wind (26 GW), onshore wind
(16 GW), solar PV (84 GW), hydrogen fired gas turbines (4.2 GW),
methane-fired combined cycle gas turbines (8.4 GW), methane-fired
combined heat and power as well as gas turbines (18.2 GW).
Hydrogen is produced at the hydrogen nodes through electrolysers (75
GW) and biomass gasifiers (1.4 GW). These capacities are allocated to
the respective hydrogen nodes as assumed in the 102050 study.

4.3. Energy storage infrastructures

The residential electrical energy storage has an aggregated capacity
of 5.93 GW with storage volume of 93 GWh. These capacities are allo-
cated to the respective electricity nodes as assumed in the 02050 study.
Underground hydrogen storage with annual working gas capacity of 15
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TWh is located in one of the hydrogen nodes whereas underground
methane storage with annual working gas capacity of 25 TWh is located
in one of the methane nodes, both in the north of the country. The initial
and final storage level for the electrical energy storage is assumed to be
50%, whereas hydrogen and methane have initial and final storage
levels of 10 TWh and 21 TWh, respectively, matching the 02050 data.

4.4. Energy demand

102050 assumes electricity demand of 171 TWh (including transport
demand for electric vehicles), residential and industrial methane de-
mand of 23 TWh as well as residential and industrial hydrogen demand
of 80 TWh for the Netherlands. The flexible electricity demand for
electrolysis as well as demand for methane and hydrogen for power
generation are obtained endogenously in the model. The hourly national
demand profiles as available in [83], are allocated to the respective
electricity, hydrogen and methane nodes based on the 102050 study.

5. Results

This section presents the results from the analysis of the regional
baseline scenario of 102050, followed by some sensitivity analyses of this
scenario.

5.1. Energy prices

Under the assumption of perfect competition, the shadow prices of
energy balance equations [Eq.5- Eq.7] provide electricity, hydrogen and
methane prices, respectively. Fig. 4 illustrates the distribution of hourly
electricity, hydrogen and methane prices over the course of the simu-
lated year in the 102050 regional scenario, expressed in real values in
Euros. The high share of solar and wind results in a high volatility and
seasonality in notably electricity and hydrogen prices. An average
annual electricity price of 148 €/MWh, an average annual hydrogen
price of 63 €/MWh and an average annual methane price of 146 €/MWh
results from the integral system optimization. Annual average prices for
electricity, hydrogen and methane are relatively high due to the high
biomass price assumption in the 102050 study (76 €/MWh). The
biomass is used to produce green gas via a fermentation process (with
efficiency assumption of 54%) which in turn is used to run green-gas
fired power units. Fig. 5 presents the average nodal electricity,
hydrogen and methane prices over the course of the year. In the figure,
three step changes for the electricity prices can be distinguished. These
price levels correspond to methane-fired power plants, hydrogen-fired
power plants and electricity generation from renewables (from high to
low).
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Fig. 4. Box-whisker plot of electricity, hydrogen and methane prices.
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Fig. 5 illustrates that electricity and hydrogen prices are correlated
and affect each other via additional electricity demand for electrolysis or
additional hydrogen demand for power generation. The variation in
hydrogen prices corresponds to hydrogen demand, storage, electrolysis
using electricity-mix and renewables based electrolysis. The slight
variation in the methane price is attributed to demand as well as
transport and storage costs on top of the assumed constant price of 76
€/MWh for biomass.

5.2. Energy flows

The integrated model captures hourly flows for electricity, hydrogen
and methane between the nodes. Fig. 6 illustrates three snapshots of
archetypical hourly energy flows for variations in high and low renew-
able electricity production and electricity demand;

e Fig. 6a illustrates the snapshot of energy flows in hour 4044 (mid-
June) when both variable renewable electricity production (108.7
GW) and exogenous electricity demand (20.5 GW) are high. In this
hour, electricity demand, including the endogenous electricity de-
mand for electrolysis (35.1 GW) is entirely supplied by renewable
electricity generation and the excess electricity generation is stored
in batteries (5.9 GW) and as hydrogen (22 GW). This leads to loading
in power lines from offshore wind locations towards load centres,
excessive curtailment of wind (47.3 GW) as well as flows towards
hydrogen and methane storage nodes (located in the north of the
country). The storage of hydrogen (22 GW) and methane (5.6 GW)
can be attributed to excess renewable electricity generation with low
gas demand in other sectors in mid-June (notably hour 4044).

e Fig. 6D illustrates the snapshot of energy flows in hour 954 (mid-
February) when the supply of variable renewables (1.2 GWh) is very
low and exogenous electricity demand (36.8 GWh) is very high. In
such an hour, there is no endogenous electricity demand for elec-
trolysis and the residual electricity demand is supplied by hydrogen-
fired power plants (3.7 GWh), methane-fired power plants (20.9
GWh), electricity storage (5.9 GWh) and electricity import (5 GWh).
Therefore, Fig. 7b slightly lower loading in power lines (especially
north to south) as well as slightly higher flows from hydrogen (17.6
GWh) and methane storage (52.4 GWh) nodes to generation nodes
where hydrogen and methane fired power plants are located.

5.3. Energy balance

The integrated model provides hourly energy balances for electricity,
hydrogen and methane at respective nodes. The annual energy balance
for electricity in 102050is illustrated in Fig. 7. Some 39% of overall
electricity demand results from electrolysis and electricity storage while
some 58% of overall demand results from exogenous electricity demand.
As export to other countries is not permitted, approximately 3.7% of
variable renewable has to be curtailed.

Fig. 8 illustrates the annual energy balances of the hydrogen and
methane system in 102050. Some 27% of the annual hydrogen demand
is required for power generation while 73% of the annual hydrogen
demand originates from the exogenously assumed residential and in-
dustrial demand for hydrogen. In case of methane, demand for power
generation is twice as high as the exogenously assumed residential and
industrial demand for methane. A significant hydrogen and methane
demand for storage is required to cover for seasonal imbalances between
supply and demand, respectively spanning 48% and 35% of the annual
hydrogen and methane demand.

5.4. System allocation and cross-sector utilization
The integrated model provides an optimal hourly dispatch for gen-

eration, conversion, storage and transport units. Driven by the solar and
wind generation as well as demand profiles, the model calculates hourly
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Fig. 6. Snapshot of electricity (red), hydrogen (blue) and methane (green) flows, a) high variable renewable electricity production and electricity demand (hour
4044) and b) very low variable renewable electricity production and very high electricity demand (hour 954).

supply profiles for hydrogen production via electrolysis and biomass
gasification, green gas production via fermentation, and power gener-
ation from hydrogen and methane-based power plants. The full load
hours of selected generation and conversion technologies are provided
in Fig. 9. These full load hours should be understood in relation to the
installed capacity of generation and conversion units as presented in
Section 4.2. It is worth mentioning here that in the 102050 scenario,
solar and wind generation is sufficient for 608 h in a year to cover the
entire electricity demand including the demand for electrolysis and
electricity storage charging. The methane-fired units become the mar-
ginal generating unit for 2940 h.

Fig. 10 shows the hourly storage level of electricity, hydrogen and
methane. Table 1 presents storage capacity, annual storage volume and
full cycle equivalent for each storage type. Frequent short-term cycles

are observed in electricity storage as it balances short-term fluctuations
in solar and wind, whereas a seasonal cycle is observed in methane and
hydrogen storage as these mainly balance long-term fluctuations in
supply and demand of hydrogen and methane, respectively. Yet,
hydrogen storage also provides short-term flexibility throughout the
year. It is interesting to note the smoothness of the methane storage level
in summer months. This is attributed to the assumption of relatively high
prices of green gas production, so that the methane storage mainly
provides flexibility to the system during winter months (when the
amount of variable renewable electricity in the system is relatively low).
Due to the abundance of low-cost variable renewable electricity for
hydrogen production, hydrogen storage provides both short-term and
long-term flexibility to the system.

As shown in Fig. 1, the electricity, hydrogen and methane systems
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are interlinked. Fig. 11 presents the exchanges between these sub- via hydrogen-fired power plants. At the same time, 45 TWh of methane
systems. Based on the 102050 scenario, the hydrogen system utilizes is utilized by the power system to generate electricity via methane-fired

100 TWh of electricity to produce hydrogen via electrolyser units, and power plants.

29 TWh of hydrogen is used in the power system to generate electricity

10
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Table 1
Electricity, hydrogen and methane storage characteristics.

Storage Storage Annual storage Annual full cycle
type capacity(TWh) volume (TWh) equivalent (cycles)
Electricity 0.093 15.67 168.5

Hydrogen 15 52.72 3.5

Methane 25 30.51 1.22

5.5. Sensitivity analysis

The present energy landscape is changing rapidly. As the costs are
decreasing, solar PV, wind turbines and electrolysers are being added to
the energy systems at unprecedent rates. Due to energy efficiency
measures, demand might decrease but at the same time application
areas for the energy vectors are also widening, for example, increasing
electrification of different end use sectors and hydrogen-based mobility.
The 102050 scenario was designed with energy balance as a basis
without an integral framework for market pricing. The scaling of 1)
wind/solar, 2) conversion (electrolyzers) and 3) electricity/hydrogen
demand was never balanced in terms of cost-optimal system develop-
ment. To address these potential issues, in addition to the baseline
102050 regional scenario, some sensitivity analyses are performed by
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varying selected parameters which are considered as main drivers of the
I-ELGAS model and to test their impact on the results, as illustrated in
Table 2. One parameter is varied at a time, leading to 7 sensitivity runs
in total. The rest of the input data is assumed to be the same. Although, it
would be generally interesting to test the impact of these runs on GHG
emissions, the 102050 study assumes that the future energy system will
be emission free with green hydrogen, bio liquified gas and green gas.
Hence, total GHG emissions are zero in all cases and, therefore, they are
not included in the results of the sensitivity analyses discussed below.

5.5.1. Energy prices

As illustrated in Fig. 12, both the increase in variable renewable
capacities and decrease in energy demand lead to lower average energy
prices. The 25% increase in variable renewable capacities leads to a 91%
decrease in average hydrogen prices, 38% decrease in average electricity
prices and 0.6% decrease in average methane prices. At the same time, a
10% increase in variable renewable capacities leads to a 60% decrease in
average hydrogen prices, 19% decrease in average electricity prices and
0.3% decrease in average methane prices. On the other hand, a 10%
decrease in energy demand reduces electricity prices by 32%, hydrogen
prices by 89% and methane prices by 0.57%. While 25% simultaneous
decrease in electricity, hydrogen and methane demand leads to 93%
decrease in average hydrogen prices, 55% decrease in average electricity
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Table 2
Sensitivity analysis setup and assumptions.

Parameters Baseline Sensitivity ~ Values for sensitivity
(102050) analysis

Variable renewable 126 +25% 157.5
capacities

Onshore wind (GW) 26 33

Offshore wind (GW) 16 20

Solar PV (GW) 84 105

Variable renewable 126 +10% 138.6
capacities

Onshore wind (GW) 26 28.6

Offshore wind (GW) 16 17.6

Solar PV (GW) 84 92.4

Demand (TWh) 274 —25% 205.5

Electricity demand 171 128.25
(TWh)

Hydrogen demand 80 60
(TWh)

Methane demand (TWh) 23 17.25

Demand (TWh) 274 —10% 246.6

Electricity demand 171 153.9
(TWh)

Hydrogen demand 80 72
(TWh)

Methane demand (TWh) 23 20.7

Biomass price 76 +25% 95
(€/MWh)

Biomass price 76 —25% 57
(€/MWh)

Biomass price 76 —50% 38
(€/MWh)

prices and 2% decrease in average methane price. The 25% changes in
biomass prices almost proportionally affect the average electricity,
hydrogen and methane prices as biomass indirectly sets the prices for
2990 h in the year and the merit order of green-gas fired units remains
mostly unaffected due to 25% changes in biomass prices While 50%
decrease in biomass prices leads to 44% decrease in electricity prices
(methane-fired units are marginal for 3123 h), 49% decrease in
hydrogen prices and 47% decrease in methane prices.

5.5.2. System allocation and cross-sector utilization

Fig. 13 illustrates the changes in cross-sector utilization of electricity,
hydrogen, and methane. The 25% increase in variable renewables leads
to 30% lower utilization of methane in power generation, while 25%
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decrease in conventional demand leads to 68% lower utilization of
methane in the power system. A 10% increase in variable renewable
capacities leads to 5.5% higher electricity use in hydrogen system,
14.5% higher hydrogen use in power system and 9.6% lower methane
use in power system. As the system is delimited, 25% increase in variable
renewables leads to only slightly lower utilization of electricity use in
electrolysis (0.25% lower) which in turns is due to lower hydrogen de-
mand for hydrogen-fired power generation (0.65% lower). It is inter-
esting to note that both 10% reduction in demand and 10% increase in
variable renewable capacity leads to increase in hydrogen use in power
system and decrease in methane use in power system. This is due to
lower hydrogen price in both cases due to lower demand or increase
availability of renewables. The surplus electricity is converted into
hydrogen and used to fire flexible hydrogen turbines. As 102050 sce-
nario is delimited, this is however not the case when demand is reduced
by 25% and variable renewables capacities are increased by 25%, as
renewable electricity is directly used to supply demand without inter-
mediate conversion into hydrogen. The 25% decrease in demand leads
to 31.5% lower electricity use in the hydrogen system which can be
attributed to 14.6% lower hydrogen use in the power system. As 25%
changes in biomass prices do not lead to significant changes in cross-
sector utilization, it is not visualized in Fig. 13. While 50% reduction
in biomass prices leads to 2.3% higher electricity use in hydrogen sys-
tem, 7.3% higher hydrogen use in power system and 7.2% higher
methane use in power system.

The variation in full load hours of generation and conversion tech-
nologies is provided in Fig. 14. The 25% increase in variable renewables
leads to 0.25% lower dispatch of electrolysers, 0.66% lower dispatch for
hydrogen-fired turbines, 31% lower dispatch for methane fired CCGT
and 27% lower dispatch for methane fired CHP units. At the same time, a
10% increase in variable renewable capacities leads to 5.5% higher
deployment of electrolysers, 14.5% higher deployment of hydrogen-
fried turbines, 14.8% lower deployment of methane CCGT and 28.5%
lower deployment of methane CHP. On the other hand, 25% decrease in
demand leads to 31% lower dispatch for electrolysers, 15% lower
dispatch for hydrogen fired turbines, 60% lower dispatch for methane-
fired CCGT and 87% lower dispatch for methane-fired CHP. As the
study is performed in a delimited system, the excessive variable re-
newables generation and lower demand also lead to higher curtailment
of wind and solar. As a 25% reduction in biomass prices do not lead to
significant changes in system allocation, it is not visualized in Fig. 14.
While 25% increase in biomass prices leads to 0.82% lower deployment
of methane-fired CCGT units and 2.01% higher deployment of Methane-
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Fig. 13. Sensitivity analysis of cross-sector utilization of energy vectors.

fired CHP units. At the same time, 50% lower biomass prices leads to
2.31% higher deployment of electrolyzers, 7.31% higher deployment of
hydrogen-fired turbines, 3.55% higher deployment of methane-fired
CCGT and 19.82% lower deployment of Methane CHP units. It is
interesting to note that both when biomass prices is reduced by 50% and
variable renewable capacities are increased by 10%, hydrogen deploy-
ment is higher as it provides flexibility to the delimited system.

Fig. 15 shows the hourly variation in the deployment of hydrogen
and methane storage for the 102050 baseline, 25% reduction in demand
and 25% increase in variable renewables. The higher renewable ca-
pacities lead to an increase in variable renewable electricity which in
turn reduces the demand for hydrogen and methane based power gen-
eration, leading to aggregated lower deployment of both hydrogen (48.5
TWh) and methane storage (21.7 TWh) compared to the 102050 base-
line of 52.7 TWh and 30.5 TWh of hydrogen and methane storage
respectively. The 25% lower energy demand also leads to significantly
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lower deployment of both hydrogen (34.7 TWh) and methane storage
(7.1 TWh) than the base case. Although not visualized in Fig. 15, the
higher share of renewables increases the electricity storage deployment
by 1.6 TWh and the decrease in energy demand increases the deploy-
ment of electricity storage by 0.3 TWh.

To summarize, the increase in variable renewable capacities or
decrease in demand has similar impact on energy prices. Both have most
impact on hydrogen prices, followed by electricity prices and the impact
on methane prices is not significant. A decrease in energy demand has a
more significant impact on cross sector utilization as well as system
allocation than the increase in variable renewable capacities. As the
system is delimited, it is interesting to note that smaller perturbation
(£10%) variable generation capacities lead to higher interactions be-
tween hydrogen and power system than the larger perturbation (+25%).
However, hydrogen storage deployment is less affected than the
methane storage as excess electricty in both sensitivity cases could be
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Fig. 14. Sensitivity analysis on full load hours of generation and conversion technologies.
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Fig. 15. Sensitivity analysis on methane and hydrogen storage level.

converted to hydrogen molecules and stored. Biomass prices (£25%)
proportionally impact the commodities prices and do not have signifi-
cant impact on cross-sector utilization as well as system allocation. This
changes, however, when biomass prices is further reduced (-50%).

6. Discussions

Increasing deployment of conversion technologies such as electro-
lysers, gas reformers, natural gas-fired power plants, hydrogen-fired
power plants and hybridization of final demand may lead to increas-
ingly coupled electricity, hydrogen and gas markets and systems. With
increasing renewables as well as electrification and decarbonization of

14

the energy-demand sectors, the interactions between these markets and
systems will further increase in the future. There is widespread
consensus that further integration and coupling of electricity, hydrogen
and methane systems are important for the decarbonization of the en-
ergy system. The whole energy system is expected to benefit from it in
terms of flexibility, avoiding unnecessary network expansion and, in
general, efficiency. Yet, integrated operation of systems which are
designed for individual operation will not be without challenges as
operational decisions for one system will impact other systems. This
necessitates an integrated assessment of these markets and systems.
This article formulates an integrated electricity and (renewable) gas
model to mainly study price and volume interactions on an hourly basis,
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also considering associated infrastructures, ramp rates, energy storage
(gas, electricity and hydrogen) as well as variability in supply and de-
mand. The integrated model is formulated as a single linear program-
ming optimization problem which finds the market equilibrium of the
integrated electricity, hydrogen and gas markets assuming perfect
competition. The integrated model takes into account short and long
term price and volume effects, differentiating in detail the flexibility
capabilities of different sources in electricity, hydrogen and methane
systems. The integrated model also allows for a more detailed analysis of
energy systems on a large geographical and temporal scale.

Similar to other scenario studies, this research is not without limi-
tations. As the research was conducted in a delimited system (i.e.
without demand response or foreign trade changing total domestic
electricity demand), an increased share of variable renewables leads to
excessive curtailment of variable renewables. Moreover, the surplus
renewable electricity cannot be converted to molecules because there is
no additional demand for these molecules. As import and export
amounts of energy are fixed to best match the Infrastructure Outlook
2050 assumptions, this excess in variable renewables cannot be used for
export and also the excess production of variable renewables abroad
cannot be imported at a cheaper import price. Moreover, the residential
and industrial demand for electricity, hydrogen and methane is fixed
without room for flexibility. The only demand side flexibility comes
from electricity demand for hydrogen production, as well hydrogen and
methane demand for electricity production. These imposed limitations
to best match the Infrastructure Outlook 2050 scenario lead to higher
energy prices. Yet, it is important to understand that the goal of this
scenario analysis was to establish a cross validation with the Infra-
structure Outlook 2050 study, not to establish a realistic scenario.

Another shortcoming arises from the LP formulation: although it
allows the model to increase the temporal (with right storage and other
assets deployment) and spatial descriptions of the model, it also prevents
it from including many important analytical elements and their non-
linear constraints, such as detailed operation 1) of thermal generation,
e.g., startup/shutdown, minimum output, minimum up/down time
constraints, and 2) of gas-flow dynamics of the gaseous networks. As the
main assumption is perfect competition, the integrated model is not
suitable to use for market power issues.

Future research should focus on addressing these shortcomings and
should also include optimal capacity expansion planning, ideally
including the non-linear constraints as those mentioned above. Besides
these, the shadow prices of capacity constraints (generation capacity,
transmission capacity etc.) have also economic meaning. They are called
scarcity rents for generation capacity or congestion rents for trans-
mission capacity. When these capacities are running at 100%, they are
positive and are equal to what operators of these capacities get on top of
their short-run marginal cost. The annual scarcity rent could be
compared to the annual investment costs and used to assess business
cases for investing in these capacities. Since we are not discussing in-
vestment decisions at all in this article, this should be considered in the
future work. Also the buffer storage of hydrogen and methane in the line
pack as well as storage losses should be considered. Different applica-
tions of hydrogen may require different qualities (purity) and these
require additional quality conversions and/or independent storage and
transport systems. Future research should therefore also study the reg-
ulatory and policy implications of integrated operation of electricity,
hydrogen and methane infrastructures. The integrated model can be
used as a tool by market parties, network operators, policy makers and
regulators to capture implications of possible techno-economic and
institutional developments in one system for the operation of others.

7. Conclusion
The power and (renewable) gas markets are interdependent due to

multiple conversion technologies such as electrolysers, hydrogen and
methane fired generation units, gas reformers and methanation units.
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This makes the integrated analysis of power and (renewable) gas mar-
kets important. This article provides a modelling framework for inte-
grated electricity, hydrogen and methane systems with high spatio-
temporal granularity and considering interdependencies and linkages
between these systems. To our knowledge, none of the existing inte-
grated (renewable) gas and electricity market models, that can capture
the short-term price and volume effects of all three markets (electricity,
methane and hydrogen) and differentiates the flexibility capabilities of
different sources on this level of detail.

The analysis presented in this article shows that the price-volume
interaction between electricity, methane and hydrogen markets become
stronger with increasing variable renewables generation. The inter-
weaving of electricity, methane and hydrogen infrastructures via con-
version technologies (e.g., electrolysers), power plants (gas and
hydrogen-fired), gas reformers and methanation units provide the flex-
ibility needed by the future energy system. For example, for the Infra-
structure Outlook 2050 study, with the increase of variable renewable
electricity, the power generation from methane and hydrogen fired
power plants decreases to absorb increased variable renewable elec-
tricity. This leads to lower demand for methane and hydrogen for power
generation, which in turn leads to lower deployment of methane and
hydrogen storage. The deployment of electrical energy storage increases
to provide short-term flexibility to the power system. Flexibility from
electric batteries balances daily variation of solar and wind whereas
methane and hydrogen storage mostly balances seasonal variation of
demand and supply. Due to the availability of low-cost variable re-
newables, the combination of power-to-hydrogen and hydrogen-to-
power provides also short-term flexibility to the energy system.

Sensitivity analysis reveals that the increase in variable renewable
capacities or decrease in demand has a significant impact on electricity
and hydrogen prices. The impact is most significant on hydrogen prices,
followed by electricity prices and the impact on methane prices is least
significant. A decrease in energy demand has a more significant impact
on cross sector utilization as well as system allocation than the increase
in variable renewable capacities. Moreover, as excess electricity from
variable renewables can be converted into hydrogen and hydrogen can
in turn be used to produce electricity, hydrogen storage deployment is
less affected than the methane storage. As methane fired units often
(2940 h) set the peak electricity prices, biomass prices proportionally
impacts the electricity, methane and hydrogen prices but do not have
significant impact on cross-sector utilization as well as system
allocation.

As mentioned in Section 3, an extended version of the model
covering North Sea Countries is already available and in future the
model will be further extended to cover the European scale and analyse
important issues such as role of hydrogen and methane in European
energy system under rapidly increasing shares of variable renewable
generation.
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Appendix A

As an extension of the model formulation presented in Section 3, this appendix provides the rest of the model formulation for the integrated
electricity, methane and hydrogen market model.

Eq. (8) shows that the hydrogen demand for power generation (dgze) is linked with electricity generation from hydrogen fired power plants (ql?(hfp)p)
through efficiency of hydrogen-fired turbines 15 gp))-
d =3I vicrper ®

¥
hehfp "lih

Eq. (9) indicates that the electricity generation from methane-fired power plants (qf,,, 4fgp)) is linked with methane demand for power gen-

eration (df) through efficiency of methane-fired turbines Ty M) -

e
Dinp

ge _
d, =

Viel,peP 9
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As illustrated in Eq. (10), the methane demand for hydrogen production (dfoﬂz) is linked to hydrogen production from gas-reforming (quH2) via

efficiency of gas-reformers (7).

gH2
sH2 _ Dip
ip T gH2
i

Viel,peP (10)

eHo

The electricity demand for electrolysis (dzqu) is linked with hydrogen production via electrolysis (g}, ) through efficiency of electrolysers (7;**), see
Eq. (11).
eH,
&t = ZZ” VielpeP an

As shown in Egs. (12)-(15), the marginal cost of electricity generation from a power plants depends on fuel prices, efficiency of the power plants,
emission factor, emission costs and operation and maintenance costs. Green gas, hydrogen and natural gas prices are determined endogenously in the
model.

FP;,, ©:.PCO2
thp:(”—(,hl-'rhT-f‘Oth) vie[,heOTH,pEP (12)
ih ih
¢, = (OMj,) Viel,h € HFP/GFP,p € P 13)

Cihp -

©;.PCO2 ¢
y (hT+0M) Vi€ I,h € NFP,p € P 14
ih ih
Egs. (15)-(16) provides the marginal costs of gas-reformers and electrolyser units whereas the electricity and methane prices are determined
endogenously in the model.
o (@HHZ.Pcoz

S = o+ 0M~;’”2> VielpeP 15)
¢ = (OM?™) VielpeP 16)

Egs. (17)-(20) provide the constraints for electricity generators. Electricity generation depends on availability of the generators, capacity factors
(for variable renewables) and ramp rates.

¢, AF,.G, VielLheHpeP a7
g, < CF, .G, Vicl,heVRE,pcP as)
~RRS, < g — 8, <RR, VielhcHpeP (19)
g, >0 VielLheHpeP 20

Equations 21-22 provide the constraints for electricity transmission.

flows;, =By (6;—6;) {Vi eJ(I)} VpeP @n
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where Bj; is the susseptance of line ii and 6; is the voltage angle at bus i. The DC power flow equations are mentioned here but not yet used in this

model.

flow, <T. {¥i €J(I)}VpeP

ip =

Equations 14-20 provide constraints for the operation of electric energy storage.

chi < PS; ViclreR,peP

ip =

dsfrp <PS; VielreRpeP

ds,
sol;,, =1SCy, + ch;,.EFF’ 7?1?' Viel,reR,p=1
. ., dsfrp )
soly,, = sol;,, | +chi EFF ~EFF Viel,reR,p > 1

sol; =1SCy Viel,reR,p=T

ip

sol,, < SCi Vi€ I,reR,p € P
chi,,.ds;,,sol;,, > 0 Vi€ IreRp € P
Egs. (30)—(33) present capacity constraints for hydrogen production.
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Equations 34-40 present constraints for the hydrogen transport.
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Equations 41-45 provide constraints for the operation of hydrogen storage.
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Equations 46-49 present capacity constraints for the methane production.
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Equations 50-56 present the constraints for methane transport.
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Egs. (57)-(61) provide constraints for the operation of methane storage.
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